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Abstract 
Regarding the geological storage of CO2 in aquifers or in depleted gas fields, the reactivity of the well casing left in 
the abandoned well is important in order to investigate the potential for leakage. The corrosion behavior of the casing 
steel tube was investigated in highly pressurized CO2 environments. 
The corrosion test of the J55 and N80 steel tube in API specification 5CT was conducted. Those steel tubes have been 
frequently used as casing tube and are found in abandoned natural gas wells. The following test conditions were 
achieved with the autoclave apparatus: temperature at 50 to 70 °C, CO2 pressure at 5 to 18 MPa with/without the 
impurities of 20 ppm H2S and 2000 ppm CO, in/above stagnant 0.5 M NaCl solution of simulated formation water.  
The test durations were 100, 300 and 1000 hours. 
After the corrosion test, the specimens were analyzed by Energy dispersive X-ray spectrometry and X-ray 
diffractometry. The specimens were found to be covered mainly with FeCO3, which is considered to be formed from 
dissolved Fe2+ and environmental CO2. The corrosion rate was evaluated via the weight loss of the specimens after 
the removal of the surface corrosion products, containing FeCO3. No significant differences were observed between 
J55 and N80 in terms of FeCO3 formation and corrosion weight loss. It was found that the weight loss by corrosion, 
around 100 mg/cm2 after 100 hours, was remarkably large when the specimen was placed in the solution and was, in 
contrast, two orders of magnitude smaller when the specimen was above the solution. In the case with the impurities 
of 20 ppm H2S and 2000 ppm CO, the weight loss in the solution was less relative to the pure CO2 condition. The 
weight loss in the solution reached a plateau in initial 100 hours, and was only slightly increased in the 300- and the 
1000-hour tests. The 'plateau' was considered to be due to the protective effect of the FeCO3 formed on the specimen. 
Considering the protective effect of the FeCO3, the corrosion of the steel casing over a long period of time is small 
under the stagnant condition, and would be expected to remain in place with little structural degradation. 
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1. Introduction 
In order to suppress greenhouse gas, the practical application of the CCS (Carbon dioxide Capture and 
Storage) technology is urgently required, with geological reservoirs such as saline aquifers and depleted 
gas fields cited as candidate storage reservoirs [1]. In CCS operations, the materials used for the 
transportation pipelines, the injection well casings and other equipment must be resistant to corrosion by 
injected gas/fluids. On the other hand, regarding aquifers or depleted gas fields, the reactivity of the well 
casing remaining in the abandoned well is important in order to establish the potential for long-term 
leakage. The casing of the abandoned well is not necessarily expected to be exposed to the pressurized 
CO2 environment encountered after CCS operations, and is often constructed originally with carbon steel.  
Therefore, the long-term corrosion behavior of the carbon steel needs to be established under the 
conditions of the subsurface environment after gas injection [1]. 
The CO2 
investigated in detail in many reviews and papers [2-8]. The effect of the environmental variables such as 
CO2 pressure, temperature, and flow velocity has been clarified based on corrosion experiments. The 
corrosion mechanism is elucidated based on thermodynamic consideration for the electrochemical 
reaction between carbon steel and CO2 species dissolved in aqueous solution. Corrosion of carbon steel in 
that system is acknowledged to be controlled by the stability of corrosion product scale of Iron carbonate, 
FeCO3. In order to meet industrial requirements, a number of mathematical models have been developed 
for the corrosion rate of carbon steel in CO2 environments [8, 9]. However, these prediction models have 
mainly focused on the corrosion with CO2 pressure up to 2 MPa. Recently, some research studies have 
been presented, where the short-term immersion test of X65 carbon steel under supercritical CO2 
condition was conducted, and the corrosion rate of carbon steel was reported to be around 10 mm/year 
[10, 11]. In order to evaluate the long-term corrosion behavior of the carbon steel in the subsurface 
environment after the gas injection, however, laboratory corrosion experiments in the simulated 
environments are necessary.  
The corrosion rate of carbon steel in CO2 environments depends on the environmental conditions, such 
as temperature, CO2 pressure, pH, flow etc. The relationship between corrosion rate and environmental 
variables has been widely investigated and the corrosion prediction models have been developed in many 
studies. However, these models were developed for service conditions in oil and gas production and 
pipeline transport, and their experiments were conducted with a relatively low pressure of CO2, short 
duration, and fluid flow in some cases. On the other hand, geological storage conditions are expected to 
involve CO2 up to supercritical pressure and with substantially stagnant formation water, and the long-
term corrosion behavior is important. 
The objective of this work is to investigate the corrosion behavior of carbon steel in aqueous CO2 
environments simulated for the intended geological storage reservoirs. Laboratory corrosion tests were 
conducted using carbon steel for casing tube under the conditions of subsurface environment after gas 
injection. The effects of CO2 pressure, temperature, impurity gases and the test duration on the corrosion 
rate and the corrosion products of carbon steel were established. 
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2. Experimental procedure 
The materials used in this study were J55 and N80 casing steels specified API 5CT (ISO 11960) [12].  
Those steels are used for oil and gas wells under relatively mild conditions with low CO2 and H2S. Their 
chemical compositions and tensile properties are shown in Table 1. The test specimens were machined to 
25 × 20 × 2 mm. The surface of the specimen was ground with silicon carbide (SiC) paper up to 320 grids, 
degreased with acetone, dried in hot air, weighed and stored in desiccators until the corrosion test.  
Table 1. Chemical composition and tensile properties of materials used 
Steel grade Chemical compositions Tensile properties 
P (mass %) S (mass %) Yield strength (ksi) Tensile strength (ksi) 
J55 0.013 0.004 62.8 102.0 
   API 5CT group 1 Specification Max. 0.030 Max. 0.030 55 to 80 Min. 75 
N80 0.012 0.004 93.4 112 
   API 5CT group 1 Specification Max. 0.030 Max. 0.030 80 to 110 Min. 100 
 
All corrosion experiments were carried out in an autoclave. An autoclave with 1.9 dm3 volume was 
used for the conditions with H2S and CO, and an autoclave with 11 dm3 volume for the other conditions.  
The corrosion medium was prepared with de-ionized water, reagent grade chemicals and high purity gases.  
The test conditions were as follows: temperature at 50 or 70 °C, CO2 pressure at 5 to 18 MPa with/without 
the impurities of 20 vol. ppm H2S and 2000 vol. ppm CO, in/above stagnant 0.5 M NaCl aqueous solution 
which is selected as the basic composition of formation water. The test solution was thoroughly deaerated 
to 
test durations were 100, 300 and 1000 hours. All experimental conditions are listed in Table 2. In the test 
conditions No. 1-No. 6, specimens were placed both in the CO2 phase in the upper half of the autoclave 
and in the aqueous phase at the bottom. The volume of test solution per unit area of the bottom-placed 
specimen was between 8 and 29 cm3/cm2. In the conditions No. 7-No. 10 of gaseous phase, namely CO2 
with low moisture content, the unsaturated humidity of 50% was achieved by addition of a calculated 
amount of test solution into the autoclave prior to pressurization by CO2.   
After the corrosion test, the specimen was cleaned with de-ionized water and acetone, and then dried.  
To remove the corrosion product scale, the specimen was carefully treated with polishing powder and 
brush, rinsed with de-ionized water and acetone, and dried. Then, the specimen s weight was measured by 
electronic balance.   
The chemical composition and morphology of corrosion product scale were analyzed by Scanning 
electron microscope (SEM), Energy dispersive X-ray spectroscopy (EDS), and X-ray diffractometry 
(XRD).  
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Table 2. Conditions of corrosion test 
No. Corrosion media 
Temperature 
(°C) 
Pressure 
(MPa) 
Impurities* 
Test duration 
(hours) 
1 In / Above aqueous solution. 50 8 - 100 
2 " " 18 - 100, 300, 1000 
3 " 70 5 - 100 
4 " " 18 - 100, 300, 1000 
5 " " 5 Added 100 
6 " " 9.5 " 100, 1000 
7 CO2 with 50% humidity " 5 - 100 
8 " " 18 - 100 
9 " " 5 Added 100 
10 " " 9.5 " 100, 1000 
  *: 20 vol. ppm H2S and 2000 vol. ppm CO 
3. Results and discussion 
3.1. Appearance of specimens after corrosion test 
The appearance of J55 specimens after corrosion test of 100 hours are shown in Figure 1. In the mixed 
phase test, all specimens immersed in the solution exhibited the formation of homogeneous scale, while 
those above the solution exhibited a partial formation of scale. The partial scaling was considered to be 
caused by the inhomogeneous condensation or the adhesion of the test solution to the specimen surface.  
The scale shows a blackish color without H2S and CO and a blackish with partially brown with H2S and 
CO. In the moist CO2 test, on the other hand, corrosion product scale was barely observed regardless of 
the CO2 pressure and the addition of H2S and CO. 
Figure 2 shows changes in appearance with the test duration. The specimens in the solution showed no 
significant difference between tests of 100 hours and 1000 hours. For the specimens above the solution, 
the scaled area increased with increasing test duration.   
The appearances of N80 specimens are not given here, but they showed a behavior similar to that of the 
J55 specimens.  
3.2. Surface analysis of specimens 
Figure 3 shows the surface morphologies of the J55 specimens under 18 MPa after 100 hours and 1000 
hours. The No. 2 specimen at 50 °C was slightly covered with polygonal crystalline corrosion product 
after 100 hours and wholly covered after 1000 hours. In contrast with the No. 2 specimen, the surface of 
the No. 4 specimen at 70 °C was entirely covered with the corrosion product after the initial 100 hours. It 
was clarified that the precipitation of corrosion product is accelerated with increasing temperature. No 
corrosion product was observed on the No. 8 specimen in moist CO2 even after the 1000 hours exposure, 
as is suggested by the appearance in Figure 1.   
Figure 4(a) shows the SEM and EDS analysis of a J55 specimen after 1000 hours under the No. 2 
condition as being representative of the tests without H2S and CO. Fe, Mn, C and O are detected in the 
corrosion product, with Fe and Mn considered to come from the J55 steel, and C and O mainly from the 
environment.   
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Figure 4(b) shows the SEM and EDS analysis of a J55 specimen after 1000 hours under the No. 6 
condition as being representative of the tests with H2S and CO. The corrosion products covered the whole 
surface of the specimen. Fe, Mn, Cr, Si, C and O are detected in the corrosion product, with Fe, Mn, Cr 
and Si considered to come from the J55 steel, and C and O mainly from the environment. In the No. 6 
condition, as mentioned later, the corrosion loss was relatively small. In this case, it is suggested that Fe, 
Mn, Cr and Si in the substrate might be detected through a thin scale as a sequel to the small corrosion 
loss.  
Figure 5 shows the XRD analysis of a J55 specimen after 1000 hours under No. 2 condition as being 
representative of CO2 without H2S and CO. The corrosion products were composed of FeCO3 (Iron 
Carbonate, Siderite) and Fe (Iron).  
Table 4 summarizes the results of XRD analysis of the J55 steel. The observed corrosion products were 
mainly composed of FeCO3. It is considered that FeC (Iron carbide, Cohenite) co-exists with FeCO3 as 
cementated carbide included in J55 steel. The weakly detected FeOOH (Gethite or Akaganeite) might be 
formed during an air exposure after the tests. No compound formed through the corrosion reaction was 
detected from the specimens after the gaseous phase test, as is guessed from their appearance that shows 
no scale formation. The results of XRD analysis of N80 steel revealed that the corrosion products were 
mainly composed from FeCO3, as is similar to that of J55 steel. 
It is considered that FeCO3 is formed through corrosion reaction of steel. The overall corrosion 
reaction is described as: 
 2332 HFeCOCOHFe  (1) 
On the other hand, the dissolution of FeCO3 is controlled by the equilibrium as: 
 23
2
3 COFeFeCO  (2) 
The formation of FeCO3 scale through equation (1) is considered to suppress further corrosion. In 
contrast, the dissolution of FeCO3 in equation (2) accelerates corrosion. 
 
 
 
 
Fig. 1. Appearances of J55 specimens after 100 hours 
Condition No. No. 1 No. 2 No. 3 No. 4 No. 5 No. 6 No. 7 No. 8 No. 9 No. 10
Temperature 50 °C 50 °C 70 °C 70 °C 70 °C 70 °C 70 °C 70 °C 70 °C 70 °C
Pressure 8 MPa 18 MPa 5 MPa 18 MPa 5 MPa 9.5 MPa 5 MPa 18 MPa 5 MPa 9.5 MPa
H2S and CO - - - - Added Added - - Added Added
CO2
phase
Aqueous
phase - - - -
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 Fig. 2. Appearances of J55 specimens after 100 hours and 1000 hours 
   Fig. 3. Surface morphologies of the J55 specimens under 18 MPa after 100 hours and 1000 hours 
(a) Condition No. 2                                                 (b) Condition No. 6  
Fig. 4. SEM and EDS analysis of J55 specimen after 1000 hours 
  
Condition No. No. 8 No. 10
Temperature 70 °C 70 °C
Pressure 18 MPa 9.5 MPa
H2S and CO - Added
Position Above soln. In soln. Above soln. In soln. Above soln. In soln. In moist In moist
100 hours
1000 hours
No. 2
50 °C
18 MPa
-
No. 4
70 °C
18 MPa
-
No. 6
70 °C
9.5 MPa
Added
Condition No. Condition No. 2 Condition No. 4 Condition No. 8
Temperature 50 °C 70 °C 70 °C
Pressure 18 MPa 18 MPa 18 MPa
Position In solution In solution In moist CO2
100 hours
1000 hours
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Fig. 5. XRD analysis of J55 specimen after 1000 hours in condition No. 2 
 
Table 4. Summarized results of XRD analysis of J55 steel 
No. 
Temperature 
(°C) 
Pressure 
(MPa) 
H2S and CO 
Compound (D: Detected, ND: Not detected) 
FeCO3 Fe3C FeOOH 
1 50 8 - D D ND 
2 " 18 - D D ND 
3 70 5 - D D ND 
4 " 18 - D D ND 
5 " 5 Added D D D 
6 " 9.5 " D D D 
 
3.3 Corrosion weight loss and corrosion rate 
The weight data of two or three specimens were used to calculate the average corrosion weight loss and 
the average corrosion rate. Corrosion weight loss was calculated through equation (3). Corrosion rate was 
calculated through equation (4).  

a
ww
W ijji,  (3) 

)(100
,
, ijD
W
R jiji  (4) 
Where 
Wi,j : corrosion weight loss between immersion time i and j (mg/cm2) 
wi : weight of descaled specimen at immersion time of i (mg) 
a : surface area of specimen (cm2) 
Ri,j : corrosion rate between i and j (mm/year) 
i or j :  immersion time (year), 1 year = 8760 hours 
D :  density of steel, 7.8 g/cm3 
 
 
Siderite, FeCO3 
Iron, Fe 
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Figure 6(a) shows the corrosion weight loss obtained from equation (3) for the J55 specimen after the 
100-hour tests. The corrosion weight loss was much larger within the aqueous solution than above the 
solution. The corrosion weight loss of specimens above the aqueous solution was about 10 or 100 times 
smaller than that in the aqueous solution. With regard to the corrosion weight loss in solution, the weight 
loss at 50 °C (No. 2) was higher than at 70 °C (No. 4). The corrosion weight loss of specimens in the 
gaseous phase with 50% relative humidity (No. 7-No. 10) was negligibly small, as was expected from the 
surface observation. The difference in CO2 pressure of 8, 9.5 and 18 MPa did not markedly affect the 
corrosion weight loss. The addition of H2S and CO decreased corrosion weight loss in the aqueous 
solution, but slightly increased that above the aqueous solution. It was suggested that the impurities of 20 
ppm H2S and 2000 ppm CO might have some effect inhibiting the CO2 corrosion in the aqueous solution.  
It was reported by Ikeda that the corrosion rate of carbon steel under CO2 was reduced by the co-existence 
of 33 to 330 ppm H2S between 40 and 100 °C [13]. The results obtained in this work are considered to be 
consistent with his results. 
Figure 6(b) shows the corrosion weight loss of N80 specimen in the 100-hour test. The effect of 
environmental conditions was generally similar to that for the J55 specimens. However, with regard to the 
effect of temperature, the opposite trend was observed; the weight loss at 70 °C (No. 4) was higher than at 
50 °C (No. 2). No significant differences were observed between J55 and N80 in terms of Siderite 
formation and corrosion weight loss. The similarity in the corrosion behavior of J55 and N80 was 
consistent with their chemical compositions; both steels substantially contain no alloying element 
influencing corrosion property such as Cr, Ni and Mo.   
                                  (a) J55                                                                            (b) N80 
Fig. 6. Corrosion weight loss of J55 and N80 specimen in the 100-hour tests 
 
Figure 7 shows the effect of the immersion time on corrosion weight loss of the J55 and N80 
specimens. In the aqueous solution, the corrosion weight loss was high after the initial 100 hours, and 
afterwards, increased only slightly in the test duration up to 1000 hours. It is considered that FeCO3 
suppresses further corrosion because the FeCO3 scale protects the specimens from the CO2-containing 
aqueous solution [13]. In such circumstances, the tendency of the corrosion weight loss to plateau beyond 
100 hours is considered to be a result of the protective effect of the FeCO3 scale. 
In order to confirm the protective effect of FeCO3 scale and to investigate the long-term corrosion, the 
change of corrosion rate with test duration was calculated through equation (4). Figure 8 shows the effect 
of test duration on corrosion rate of the J55 and N80 specimens. The corrosion rate reached a maximum 
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after the initial 100 hours, decreased with increasing test duration beyond 100 hours, and became smaller 
than 0.1mm/year after 300 and 1000 hours. It was demonstrated that the progress of corrosion 
substantially stopped in the long-term duration.   
                                         (a) J55                                                                          (b) N80 
Fig. 7. Effect of the immersion time on corrosion weight loss of J55 and N80 specimens 
(a) J55                                                                          (b) N80 
Fig. 8. Effect of test duration on corrosion rate of J55 and N80 specimens 
     (*: 100~1000 hours for the test with H2S and CO) 
Choi and Nesic conducted the corrosion test of X65 line pipe steel in 1% NaCl solution at 50 °C under 
the CO2 pressure of 40 to 80 bar for 24 hours [10]. They reported that the corrosion rate was between 18 
to 20 mm/year, and their specimen was partially covered with the corrosion products. Zhang et al. also 
conducted the corrosion test of X65 steel in distilled water at 50 to 80 °C, under a CO2 pressure of 
9.5MPa for 168 hours [11]. They reported that the corrosion rate of 28.3 mm/year at 0.5 hour decreased to 
7.26 mm/year at 168 hours. 
The corrosion rate in this work: 5.1 mm/year for J55 steel at 70 °C under 18 MPa CO2 at 100 hours is 
considered to be consistent with the previous works above. Through the corrosion test up to 1000 hours in 
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this work, it was clarified that the corrosion rate decreased with time and that the progress of corrosion 
substantially stopped in the long-term. As discussed here, the corrosion rate in wet CO2 environments is 
essentially dominated by the stability of FeCO3 scale, which is naturally dependent on both equilibrium 
and kinetics of its dissolution/precipitation. In the case of a transportation pipeline in which the velocity of 
fluid is relatively high, the suppression of corrosion rate by FeCO3 scale may not be expected because the 
steel surface is exposed to fresh corrosive fluids. On the other hand, in the case of steel casing in the 
geological reservoir after the CCS operation, the stagnant condition can decrease the corrosion of the steel 
casing over a long period of time, and that would result in little structural degradation. 
4. Conclusions 
In order to investigate corrosion of carbon steel casing in aqueous CO2 environments simulating the 
intended reservoir conditions for geological storage of CO2, laboratory corrosion tests were conducted 
under the following conditions: 
 
Materials: J55 and N80 carbon steel 
Temperature: 50 °C and 70 °C 
Gaseous phase: 5 to 18 MPa of CO2, impurities of 20 ppm H2S and 2000 ppm CO 
Aqueous phase: 0.5 M NaCl, with no flow rate 
Duration: 100, 300 and 1000 hours 
 
The results are summarized as below. 
 
1) The surface of test specimen in the aqueous solution was covered with corrosion product scale of 
FeCO3. 
2) The order of the corrosion weight loss was as follows: specimen in aqueous solution, specimen above 
aqueous solution, and specimen in gaseous/supercritical CO2 with unsaturated moisture. 
3) There was no significant effect of steel grade, CO2 pressure and temperature on the corrosion weight 
loss. Impurities of H2S and CO in CO2 decreased the corrosion weight loss in the aqueous solution. 
4) The corrosion rate decreased with increase in test duration, being around several mm/year at initial 
100 hours and decreasing drastically down to 0.1 mm/year after 1000 hours due to the protective 
effect of the FeCO3 scale formed. 
5) Considering the protective effect of FeCO3 scale, the corrosion of the steel casing over a long period 
of time is small under stagnant conditions. The casing tube is expected to remain in place with little 
structural degradation in the geological reservoir after the CCS operation. 
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